3.1 Stationary Gas Turbines
3.1.1 General1
Gas turbines, also called “combustion turbines”, are used in a broad scope of applications
including electric power generation, cogeneration, natural gas transmission, and various process
applications. Gas turbines are available with power outputs ranging in size from 300 horsepower (hp) to
over 268,000 hp, with an average size of 40,200 hp.2 The primary fuels used in gas turbines are natural
gas and distillate (No. 2) fuel oil.3
3.1.2 Process Description1,2
A gas turbine is an internal combustion engine that operates with rotary rather than reciprocating
motion. Gas turbines are essentially composed of three major components: compressor, combustor, and
power turbine. In the compressor section, ambient air is drawn in and compressed up to 30 times ambient
pressure and directed to the combustor section where fuel is introduced, ignited, and burned. Combustors
can either be annular, can-annular, or silo. An annular combustor is a doughnut-shaped, single, continuous
chamber that encircles the turbine in a plane perpendicular to the air flow. Can-annular combustors are
similar to the annular; however, they incorporate several can-shaped combustion chambers rather than a
single continuous chamber. Annular and can-annular combustors are based on aircraft turbine technology
and are typically used for smaller scale applications. A silo (frame-type) combustor has one or more
combustion chambers mounted external to the gas turbine body. Silo combustors are typically larger than
annular or can-annular combustors and are used for larger scale applications.
The combustion process in a gas turbine can be classified as diffusion flame combustion, or leanpremix staged combustion. In the diffusion flame combustion, the fuel/air mixing and combustion take
place simultaneously in the primary combustion zone. This generates regions of near-stoichiometric
fuel/air mixtures where the temperatures are very high. For lean-premix combustors, fuel and air are
thoroughly mixed in an initial stage resulting in a uniform, lean, unburned fuel/air mixture which is
delivered to a secondary stage where the combustion reaction takes place. Manufacturers use different
types of fuel/air staging, including fuel staging, air staging, or both; however, the same staged, lean-premix
principle is applied. Gas turbines using staged combustion are also referred to as Dry Low NOX
combustors. The majority of gas turbines currently manufactured are lean-premix staged combustion
turbines.
Hot gases from the combustion section are diluted with additional air from the compressor section
and directed to the power turbine section at temperatures up to 2600oF. Energy from the hot exhaust gases,
which expand in the power turbine section, are recovered in the form of shaft horsepower. More than
50 percent of the shaft horsepower is needed to drive the internal compressor and the balance of recovered
shaft horsepower is available to drive an external load.2 Gas turbines may have one, two, or three shafts to
transmit power between the inlet air compression turbine, the power turbine, and the exhaust turbine. The
heat content of the exhaust gases exiting the turbine can either be discarded without heat recovery (simple
cycle); recovered with a heat exchanger to preheat combustion air entering the combustor (regenerative
cycle); recovered in a heat recovery steam generator to raise process steam, with or without supplementary
firing (cogeneration); or recovered, with or without supplementary firing, to raise steam for a steam turbine
Rankine cycle (combined cycle or repowering).
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The simple cycle is the most basic operating cycle of gas turbines with a thermal efficiency ranging
from 15 to 42 percent. The cycle thermal efficiency is defined as the ratio of useful shaft energy to fuel
energy input. Simple cycle gas turbines are typically used for shaft horsepower applications without
recovery of exhaust heat. For example, simple cycle gas turbines are used by electric utilities for
generation of electricity during emergencies or during peak demand periods.
A regenerative cycle is a simple cycle gas turbine with an added heat exchanger. The heat
exchanger uses the turbine exhaust gases to heat the combustion air which reduces the amount of fuel
required to reach combustor temperatures. The thermal efficiency of a regenerative cycle is approximately
35 percent. However, the amount of fuel efficiency and saving may not be sufficient to justify the capital
cost of the heat exchanger, rendering the process unattractive.
A cogeneration cycle consists of a simple cycle gas turbine with a heat recovery steam generator
(HRSG). The cycle thermal efficiency can be as high as 84 percent. In a cogeneration cycle, the steam
generated by the HRSG can be delivered at a variety of pressures and temperatures to other thermal
processes at the site. For situations where additional steam is required, a supplementary burner, or duct
burner, can be placed in the exhaust duct stream of the HRSG to meet the site’s steam requirements.
A combined cycle gas turbine is a gas turbine with a HRSG applied at electric utility sites. The
gas turbine drives an electric generator, and the steam from the HRSG drives a steam turbine which also
drives an electric generator. A supplementary-fired boiler can be used to increase the steam production.
The thermal efficiency of a combined cycle gas turbine is between 38 percent and 60 percent.
Gas turbine applications include gas and oil industry, emergency power generation facilities,
independent electric power producers (IPP), electric utilities, and other industrial applications. The
petroleum industry typically uses simple cycle gas turbines with a size range from 300 hp to 20,000 hp.
The gas turbine is used to provide shaft horsepower for oil and gas production and transmission.
Emergency power generation sites also utilize simple cycle gas turbines. Here the gas turbine is used to
provide backup or emergency power to critical networks or equipment. Usually, gas turbines under 5,000
hp are used at emergency power generation sites.
Independent electrical power producers generate electricity for resale to larger electric utilities.
Simple, regenerative, or combined cycle gas turbines are used at IPP; however, most installations use
combined cycle gas turbines. The gas turbines used at IPP can range from 1,000 hp to over 100,000 hp.
The larger electric utilities use gas turbines mostly as peaking units for meeting power demand peaks
imposed by large commercial and industrial users on a daily or seasonal basis. Simple cycle gas turbines
ranging from 20,000 hp to over 200,000 hp are used at these installations. Other industrial applications for
gas turbines include pulp and paper, chemical, and food processing. Here, combined cycle gas turbines are
used for cogeneration.
3.1.3 Emissions
The primary pollutants from gas turbine engines are nitrogen oxides (NOX), carbon monoxide
(CO), and to a lesser extent, volatile organic compounds (VOC). Particulate matter (PM) is also a
primary pollutant for gas turbines using liquid fuels. Nitrogen oxide formation is strongly dependent on the
high temperatures developed in the combustor. Carbon monoxide, VOC, hazardous air pollutants (HAP),
and PM are primarily the result of incomplete combustion. Trace to low amounts of HAP and sulfur
dioxide (SO2) are emitted from gas turbines. Ash and metallic additives in the fuel may also contribute to
PM in the exhaust. Oxides of sulfur (SOX) will only appear in a significant quantity if heavy oils are fired
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in the turbine. Emissions of sulfur compounds, mainly SO2, are directly related to the sulfur content of the
fuel.
Available emissions data indicate that the turbine’s operating load has a considerable effect on the
resulting emission levels. Gas turbines are typically operated at high loads (greater than or equal to 80
percent of rated capacity) to achieve maximum thermal efficiency and peak combustor zone flame
temperatures. With reduced loads (lower than 80 percent), or during periods of frequent load changes, the
combustor zone flame temperatures are expected to be lower than the high load temperatures, yielding
lower thermal efficiencies and more incomplete combustion. The emission factors for this sections are
presented for gas turbines operating under high load conditions. Section 3.1 background information
document and emissions database contain additional emissions data for gas turbines operating under
various load conditions.
Gas turbines firing distillate oil may emit trace metals carried over from the metals content of the
fuel. If the fuel analysis is known, the metals content of the fuel ash should be used for flue gas emission
factors assuming all metals pass through the turbine.
If the HRSG is not supplementary fuel fired, the simple cycle input-specific emission factors
(pounds per million British thermal units [lb/MMBtu]) will also apply to cogeneration/combined cycle
systems. If the HRSG is supplementary fired, the emissions attributable to the supplementary firing must
also be considered to estimate total stack emissions.
3.1.3.1 Nitrogen Oxides Nitrogen oxides formation occurs by three fundamentally different mechanisms. The principal
mechanism with turbines firing gas or distillate fuel is thermal NOX, which arises from the thermal
dissociation and subsequent reaction of nitrogen (N2) and oxygen (O2) molecules in the combustion air.
Most thermal NOX is formed in high temperature stoichiometric flame pockets downstream of the fuel
injectors where combustion air has mixed sufficiently with the fuel to produce the peak temperature fuel/air
interface.
The second mechanism, called prompt NOX, is formed from early reactions of nitrogen molecules
in the combustion air and hydrocarbon radicals from the fuel. Prompt NOX forms within the flame and is
usually negligible when compared to the amount of thermal NOX formed. The third mechanism, fuel NOX,
stems from the evolution and reaction of fuel-bound nitrogen compounds with oxygen. Natural gas has
negligible chemically-bound fuel nitrogen (although some molecular nitrogen is present). Essentially all
NOX formed from natural gas combustion is thermal NOX. Distillate oils have low levels of fuel-bound
nitrogen. Fuel NOX from distillate oil-fired turbines may become significant in turbines equipped with a
high degree of thermal NOX controls. Otherwise, thermal NOX is the predominant NOX formation
mechanism in distillate oil-fired turbines.
The maximum thermal NOX formation occurs at a slightly fuel-lean mixture because of excess
oxygen available for reaction. The control of stoichiometry is critical in achieving reductions in thermal
NOX. Thermal NOX formation also decreases rapidly as the temperature drops below the adiabatic flame
temperature, for a given stoichiometry. Maximum reduction of thermal NOX can be achieved by control of
both the combustion temperature and the stoichiometry. Gas turbines operate with high overall levels of
excess air, because turbines use combustion air dilution as the means to maintain the turbine inlet
temperature below design limits. In older gas turbine models, where combustion is in the form of a
diffusion flame, most of the dilution takes place downstream of the primary flame, which does not minimize
peak temperature in the flame and suppress thermal NOX formation.
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Diffusion flames are characterized by regions of near-stoichiometric fuel/air mixtures where
temperatures are very high and significant thermal NOX is formed. Water vapor in the turbine inlet air
contributes to the lowering of the peak temperature in the flame, and therefore to thermal NOX emissions.
Thermal NOX can also be reduced in diffusion type turbines through water or steam injection. The injected
water-steam acts as a heat sink lowering the combustion zone temperature, and therefore thermal NOX.
Newer model gas turbines use lean, premixed combustion where the fuel is typically premixed with more
than 50 percent theoretical air which results in lower flame temperatures, thus suppressing thermal NOX
formation.
Ambient conditions also affect emissions and power output from turbines more than from external
combustion systems. The operation at high excess air levels and at high pressures increases the influence
of inlet humidity, temperature, and pressure.4 Variations of emissions of 30 percent or greater have been
exhibited with changes in ambient humidity and temperature. Humidity acts to absorb heat in the primary
flame zone due to the conversion of the water content to steam. As heat energy is used for water to steam
conversion, the temperature is the flame zone will decrease resulting in a decrease of thermal NOX
formation. For a given fuel firing rate, lower ambient temperatures lower the peak temperature in the
flame, lowering thermal NOX significantly. Similarly, the gas turbine operating loads affect NOX
emissions. Higher NOX emissions are expected for high operating loads due to the higher peak
temperature in the flame zone resulting in higher thermal NOX.
3.1.3.2 Carbon Monoxide and Volatile Organic Compounds CO and VOC emissions both result from incomplete combustion. CO results when there is
insufficient residence time at high temperature or incomplete mixing to complete the final step in fuel
carbon oxidation. The oxidation of CO to CO2 at gas turbine temperatures is a slow reaction compared to
most hydrocarbon oxidation reactions. In gas turbines, failure to achieve CO burnout may result from
quenching by dilution air. With liquid fuels, this can be aggravated by carryover of larger droplets from
the atomizer at the fuel injector. Carbon monoxide emissions are also dependent on the loading of the gas
turbine. For example, a gas turbine operating under a full load will experience greater fuel efficiencies
which will reduce the formation of carbon monoxide. The opposite is also true, a gas turbine operating
under a light to medium load will experience reduced fuel efficiencies (incomplete combustion) which will
increase the formation of carbon monoxide.
The pollutants commonly classified as VOC can encompass a wide spectrum of volatile organic
compounds some of which are hazardous air pollutants. These compounds are discharged into the
atmosphere when some of the fuel remains unburned or is only partially burned during the combustion
process. With natural gas, some organics are carried over as unreacted, trace constituents of the gas, while
others may be pyrolysis products of the heavier hydrocarbon constituents. With liquid fuels, large droplet
carryover to the quench zone accounts for much of the unreacted and partially pyrolized volatile organic
emissions.
Similar to CO emissions, VOC emissions are affected by the gas turbine operating load
conditions. Volatile organic compounds emissions are higher for gas turbines operating at low loads as
compared to similar gas turbines operating at higher loads.
3.1.3.3 Particulate Matter13 PM emissions from turbines primarily result from carryover of noncombustible trace constituents
in the fuel. PM emissions are negligible with natural gas firing and marginally significant with distillate oil
firing because of the low ash content. PM emissions can be classified as "filterable" or "condensable" PM.
Filterable PM is that portion of the total PM that exists in the stack in either the solid or liquid state and
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can be measured on a EPA Method 5 filter. Condensable PM is that portion of the total PM that exists as
a gas in the stack but condenses in the cooler ambient air to form particulate matter. Condensable PM
exists as a gas in the stack, so it passes through the Method 5 filter and is typically measured by analyzing
the impingers, or "back half" of the sampling train. The collection, recovery, and analysis of the impingers
is described in EPA Method 202 of Appendix M, Part 51 of the Code of Federal Regulations. Condensable
PM is composed of organic and inorganic compounds and is generally considered to be all less than 1.0
micrometers in aerodynamic diameter.
3.1.3.4 Greenhouse Gases5-11 Carbon dioxide (CO2) and nitrous oxide (N2O) emissions are all produced during natural gas and
distillate oil combustion in gas turbines. Nearly all of the fuel carbon is converted to CO2 during the
combustion process. This conversion is relatively independent of firing configuration. Methane (CH4) is
also present in the exhaust gas and is thought to be unburned fuel in the case of natural gas or a product of
combustion in the case of distillate fuel oil.
Although the formation of CO acts to reduce CO2 emissions, the amount of CO produced is
insignificant compared to the amount of CO2 produced. The majority of the fuel carbon not converted to
CO2 is due to incomplete combustion.
Formation of N2O during the combustion process is governed by a complex series of reactions and
its formation is dependent upon many factors. However, the formation of N2O is minimized when
combustion temperatures are kept high (above 1475oF) and excess air is kept to a minimum (less than 1
percent).
3.1.3.5 HAP Emissions Available data indicate that emission levels of HAP are lower for gas turbines than for other
combustion sources. This is due to the high combustion temperatures reached during normal operation.
The emissions data also indicate that formaldehyde is the most significant HAP emitted from combustion
turbines. For natural gas fired turbines, formaldehyde accounts for about two-thirds of the total HAP
emissions. Polycyclic aromatic hydrocarbons (PAH), benzene, toluene, xylenes, and others account for the
remaining one-third of HAP emissions. For No. 2 distillate oil-fired turbines, small amount of metallic
HAP are present in the turbine’s exhaust in addition to the gaseous HAP identified under gas fired turbines.
These metallic HAP are carried over from the fuel constituents. The formation of carbon monoxide during
the combustion process is a good indication of the expected levels of HAP emissions. Similar to CO
emissions, HAP emissions increase with reduced operating loads. Typically, combustion turbines operate
under full loads for greater fuel efficiency, thereby minimizing the amount of CO and HAP emissions.
3.1.4 Control Technologies12
There are three generic types of emission controls in use for gas turbines, wet controls using steam
or water injection to reduce combustion temperatures for NOX control, dry controls using advanced
combustor design to suppress NOX formation and/or promote CO burnout, and post-combustion catalytic
control to selectively reduce NOX and/or oxidize CO emission from the turbine. Other recently developed
technologies promise significantly lower levels of NOX and CO emissions from diffusion combustion type
gas turbines. These technologies are currently being demonstrated in several installations.
Emission factors in this section have been determined from gas turbines with no add-on control
devices (uncontrolled emissions). For NOX and CO emission factors for combustion controls, such as
water-steam injection, and lean pre-mix units are presented. Additional information for controlled
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emissions with various add-on controls can be obtained using the section 3.1 database. Uncontrolled, leanpremix, and water injection emission factors were presented for NOX and CO to show the effect of
combustion modification on emissions.
3.1.4.1 Water Injection Water or steam injection is a technology that has been demonstrated to effectively suppress NOX
emissions from gas turbines. The effect of steam and water injection is to increase the thermal mass by
dilution and thereby reduce peak temperatures in the flame zone. With water injection, there is an
additional benefit of absorbing the latent heat of vaporization from the flame zone. Water or steam is
typically injected at a water-to-fuel weight ratio of less than one.
Depending on the initial NOX levels, such rates of injection may reduce NOX by 60 percent or
higher. Water or steam injection is usually accompanied by an efficiency penalty (typically 2 to 3 percent)
but an increase in power output (typically 5 to 6 percent). The increased power output results from the
increased mass flow required to maintain turbine inlet temperature at manufacturer's specifications. Both
CO and VOC emissions are increased by water injection, with the level of CO and VOC increases
dependent on the amount of water injection.
3.1.4.2 Dry Controls Since thermal NOX is a function of both temperature (exponentially) and time (linearly), the basis
of dry controls are to either lower the combustor temperature using lean mixtures of air and/or fuel staging,
or decrease the residence time of the combustor. A combination of methods may be used to reduce NOX
emissions such as lean combustion and staged combustion (two stage lean/lean combustion or two stage
rich/lean combustion).
Lean combustion involves increasing the air-to-fuel ratio of the mixture so that the peak and
average temperatures within the combustor will be less than that of the stoichiometric mixture, thus
suppressing thermal NOX formation. Introducing excess air not only creates a leaner mixture but it also
can reduce residence time at peak temperatures.
Two-stage lean/lean combustors are essentially fuel-staged, premixed combustors in which each
stage burns lean. The two-stage lean/lean combustor allows the turbine to operate with an extremely lean
mixture while ensuring a stable flame. A small stoichiometric pilot flame ignites the premixed gas and
provides flame stability. The NOX emissions associated with the high temperature pilot flame are
insignificant. Low NOX emission levels are achieved by this combustor design through cooler flame
temperatures associated with lean combustion and avoidance of localized "hot spots" by premixing the fuel
and air.
Two stage rich/lean combustors are essentially air-staged, premixed combustors in which the
primary zone is operated fuel rich and the secondary zone is operated fuel lean. The rich mixture produces
lower temperatures (compared to stoichiometric) and higher concentrations of CO and H2, because of
incomplete combustion. The rich mixture also decreases the amount of oxygen available for NOX
generation. Before entering the secondary zone, the exhaust of the primary zone is quenched (to extinguish
the flame) by large amounts of air and a lean mixture is created. The lean mixture is pre-ignited and the
combustion completed in the secondary zone. NOX formation in the second stage are minimized through
combustion in a fuel lean, lower temperature environment. Staged combustion is identified through a
variety of names, including Dry-Low NOx (DLN), Dry-Low Emissions (DLE), or SoLoNOx.
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3.1.4.3 Catalytic Reduction Systems Selective catalytic reduction (SCR) systems selectively reduce NOX emissions by injecting
ammonium (NH3) into the exhaust gas stream upstream of a catalyst. Nitrogen oxides, NH3, and O2 react
on the surface of the catalyst to form N2 and H2O. The exhaust gas must contain a minimum amount of O2
and be within a particular temperature range (typically 450oF to 850oF) in order for the SCR system to
operate properly.
The temperature range is dictated by the catalyst material which is typically made from noble
metals, including base metal oxides such as vanadium and titanium, or zeolite-based material. The removal
efficiency of an SCR system in good working order is typically from 65 to 90 percent. Exhaust gas
temperatures greater than the upper limit (850oF) cause NOX and NH3 to pass through the catalyst
unreacted. Ammonia emissions, called NH3 slip, may be a consideration when specifying an SCR system.
Ammonia, either in the form of liquid anhydrous ammonia, or aqueous ammonia hydroxide is
stored on site and injected into the exhaust stream upstream of the catalyst. Although an SCR system can
operate alone, it is typically used in conjunction with water-steam injection systems or lean-premix system
to reduce NOX emissions to their lowest levels (less than 10 ppm at 15 percent oxygen for SCR and wet
injection systems). The SCR system for landfill or digester gas-fired turbines requires a substantial fuel
gas pretreatment to remove trace contaminants that can poison the catalyst. Therefore, SCR and other
catalytic treatments may be inappropriate control technologies for landfill or digester gas-fired turbines.
The catalyst and catalyst housing used in SCR systems tend to be very large and dense (in terms of
surface area to volume ratio) because of the high exhaust flow rates and long residence times required for
NOX, O2, and NH3, to react on the catalyst. Most catalysts are configured in a parallel-plate, "honeycomb"
design to maximize the surface area-to-volume ratio of the catalyst. Some SCR installations incorporate
CO catalytic oxidation modules along with the NOX reduction catalyst for simultaneous CO/NOX control.
Carbon monoxide oxidation catalysts are typically used on turbines to achieve control of CO
emissions, especially turbines that use steam injection, which can increase the concentrations of CO and
unburned hydrocarbons in the exhaust. CO catalysts are also being used to reduce VOC and organic HAPs
emissions. The catalyst is usually made of a precious metal such as platinum, palladium, or rhodium.
Other formulations, such as metal oxides for emission streams containing chlorinated compounds, are also
used. The CO catalyst promotes the oxidation of CO and hydrocarbon compounds to carbon dioxide
(CO2) and water (H2O) as the emission stream passes through the catalyst bed. The oxidation process
takes place spontaneously, without the requirement for introducing reactants. The performance of these
oxidation catalyst systems on combustion turbines results in 90-plus percent control of CO and about 85 to
90 percent control of formaldehyde. Similar emission reductions are expected on other HAP pollutants.
3.1.4.4 Other Catalytic Systems14,15 New catalytic reduction technologies have been developed and are currently being commercially
demonstrated for gas turbines. Such technologies include, but are not limited to, the SCONOX and the
XONON systems, both of which are designed to reduce NOX and CO emissions. The SCONOX system is
applicable to natural gas fired gas turbines. It is based on a unique integration of catalytic oxidation and
absorption technology. CO and NO are catalytically oxidized to CO2 and NO2. The NO2 molecules are
subsequently absorbed on the treated surface of the SCONOX catalyst. The system manufacturer
guarantees CO emissions of 1 ppm and NOX emissions of 2 ppm. The SCONOX system does not require
the use of ammonia, eliminating the potential of ammonia slip conditions evident in existing SCR systems.
Only limited emissions data were available for a gas turbine equipped with a SCONOX system. This data
reflected HAP emissions and was not sufficient to verify the manufacturer’s claims.
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The XONON system is applicable to diffusion and lean-premix combustors and is currently being
demonstrated with the assistance of leading gas turbine manufacturers. The system utilizes a flameless
combustion system where fuel and air reacts on a catalyst surface, preventing the formation of NOX while
achieving low CO and unburned hydrocarbon emission levels. The overall combustion process consists of
the partial combustion of the fuel in the catalyst module followed by completion of the combustion
downstream of the catalyst. The partial combustion within the catalyst produces no NOX, and the
combustion downstream of the catalyst occurs in a flameless homogeneous reaction that produces almost
no NOX. The system is totally contained within the combustor of the gas turbine and is not a process for
clean-up of the turbine exhaust. Note that this technology has not been fully demonstrated as of the
drafting of this section. The catalyst manufacturer claims that gas turbines equipped with the XONON
Catalyst emit NOX levels below 3 ppm and CO and unburned hydrocarbons levels below 10 ppm.
Emissions data from gas turbines equipped with a XONON Catalyst were not available as of the drafting
of this section.
3.1.5 Updates Since the Fifth Edition
The Fifth Edition was released in January 1995. Revisions to this section since that date are
summarized below. For further detail, consult the memoranda describing each supplement or the
background report for this section. These and other documents can be found on the new EFIG home page
(http://www.epa.gov/ttn/chief).
Supplement A, February 1996

&

For the PM factors, a footnote was added to clarify that condensables and all PM from oiland gas-fired turbines are considered PM-10.

&

In the table for large uncontrolled gas turbines, a sentence was added to footnote "e" to
indicate that when sulfur content is not available, 0.6 lb/106 ft3 (0.0006 lb/MMBtu) can be
used.

Supplement B, October 1996

&

Text was revised and updated for the general section.

&

Text was added regarding firing practices and process description.

&

Text was revised and updated for emissions and controls.

&

All factors for turbines with SCR-water injection control were corrected.

&

The CO2 factor was revised and a new set of N2O factors were added.

Supplement F, April 2000
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&

Text was revised and updated for the general section.

&

All emission factors were updated except for the SO2 factor for natural gas and distillate
oil turbines.
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&

Turbines using staged (lean-premix) combustors added to this section.

&

Turbines used for natural gas transmission added to this section.

&

Details for turbine operating configurations (operating cycles) added to this section.

&

Information on new emissions control technologies added to this section (SCONOX and
XONON).

&

HAP emission factors added to this section based on over 400 data points taken from over
60 source tests.

&

PM condensable and filterable emission factors for natural gas and distillate oil fired
turbines were developed.

&

NOx and CO emission factors for lean-premix turbines were added.

&

Emission factors for landfill gas and digester gas were added.
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Table 3.1-1. EMISSION FACTORS FOR NITROGEN OXIDES (NOX) AND
CARBON MONOXIDE (CO) FROM STATIONARY GAS TURBINES
Emission Factors
Turbine Type

Nitrogen Oxides
b

(lb/MMBtu)
(Fuel Input)

Uncontrolled

3.2 E-01

A

8.2 E-02

d

A

Water-Steam Injection

1.3 E-01

A

3.0 E-02

A

Lean-Premix

9.9 E-02

D

1.5 E-02

D

(lb/MMBtu)
(Fuel Input)

Emission Factor
Rating

(lb/MMBtu)
(Fuel Input)

Emission Factor Rating

Uncontrolled

8.8 E-01

C

3.3 E-03

C

Water-Steam Injection

2.4 E-01

B

7.6 E-02

C

(lb/MMBtu)
(Fuel Input)

Emission Factor
Rating

(lb/MMBtu)
(Fuel Input)

Emission Factor Rating

1.4 E-01

A

4.4 E-01

A

(lb/MMBtu)
(Fuel Input)

Emission Factor
Rating

(lb/MMBtu)
(Fuel Input)

Emission Factor Rating

1.6 E-01

D

1.7 E-02

D

Landfill Gas-Fired Turbines

e

g

Uncontrolled
Digester Gas-Fired Turbines
Uncontrolled

c
d

e
f
g
h
j
k

c

Emission Factor
Rating

Distillate Oil-Fired Turbines

b

c

Carbon Monoxide

(lb/MMBtu)
(Fuel Input)

Natural Gas-Fired Turbines

a

a

j

f

h

k

f

h

k

Emission Factor
Rating

Factors are derived from units operating at high loads (80 percent load) only. For information on units
operating at other loads, consult the background report for this chapter (Reference 16), available at
“www.epa.gov/ttn/chief”.
Source Classification Codes (SCCs) for natural gas-fired turbines include 2-01-002-01, 2-02-002-01,
2-02-002-03, 2-03-002-02, and 2-03-002-03. The emission factors in this table may be converted to
other natural gas heating values by multiplying the given emission factor by the ratio of the specified
heating value to this average heating value.
Emission factors based on an average natural gas heating value (HHV) of 1020 Btu/scf at 60oF. To
convert from (lb/MMBtu) to (lb/106 scf), multiply by 1020.
It is recognized that the uncontrolled emission factor for CO is higher than the water-steam injection and
lean-premix emission factors, which is contrary to expectation. The EPA could not identify the reason
for this behavior, except that the data sets used for developing these factors are different.
SCCs for distillate oil-fired turbines include 2-01-001-01, 2-02-001-01, 2-02-001-03, and
2-03-001-02.
Emission factors based on an average distillate oil heating value of 139 MMBtu/103 gallons. To
convert from (lb/MMBtu) to (lb/103 gallons), multiply by 139.
SCC for landfill gas-fired turbines is 2-03-008-01.
Emission factors based on an average landfill gas heating value of 400 Btu/scf at 60oF. To convert from
(lb/MMBtu), to (lb/106 scf) multiply by 400.
SCC for digester gas-fired turbine is 2-03-007-01.
Emission factors based on an average digester gas heating value of 600 Btu/scf at 60oF. To convert from
(lb/MMBtu) to (lb/106 scf) multiply by 600.
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Table 3.1-2a. EMISSION FACTORS FOR CRITERIA POLLUTANTS AND GREENHOUSE
GASES FROM STATIONARY GAS TURBINES
a

Emission Factors - Uncontrolled
Natural Gas-Fired Turbines
Pollutant

f

CO2

b
c

d
e
f

g
h

j
k

l

Distillate Oil-Fired Turbines
e

d

(lb/MMBtu)
(Fuel Input)

Emission Factor
Rating

(lb/MMBtu)
(Fuel Input)

Emission Factor
Rating

110

A

157

A

E

ND

NA

NA

1.4 E-05

C

g

N2O

0.003

Lead

ND

SO2

0.94S

B

1.01S

B

Methane

8.6 E-03

C

ND

NA

VOC

2.1 E-03

D

4.1 E-04

j

E

TOC

1.1 E-02

B

4.0 E-03

l

C

PM (condensible)

4.7 E-03

l

C

7.2 E-03

l

C

PM (filterable)

1.9 E-03

l

C

4.3 E-03

l

C

PM (total)

6.6 E-03

l

C

1.2 E-02

l

C

h

k

a

c

b

h

Factors are derived from units operating at high loads (80 percent load) only. For information on units
operating at other loads, consult the background report for this chapter (Reference 16), available at
“www.epa.gov/ttn/chief”. ND = No Data, NA = Not Applicable.
SCCs for natural gas-fired turbines include 2-01-002-01, 2-02-002-01 & 03, and 2-03-002-02 & 03.
Emission factors based on an average natural gas heating value (HHV) of 1020 Btu/scf at 60oF. To
convert from (lb/MMBtu) to (lb/106 scf), multiply by 1020. Similarly, these emission factors can be
converted to other natural gas heating values.
SCCs for distillate oil-fired turbines are 2-01-001-01, 2-02-001-01, 2-02-001-03, and 2-03-001-02.
Emission factors based on an average distillate oil heating value of 139 MMBtu/103 gallons. To convert
from (lb/MMBtu) to (lb/103 gallons), multiply by 139.
Based on 99.5% conversion of fuel carbon to CO2 for natural gas and 99% conversion of fuel carbon to
CO2 for distillate oil. CO2 (Natural Gas) [lb/MMBtu] = (0.0036 scf/Btu)(%CON)(C)(D), where %CON
= weight percent conversion of fuel carbon to CO2, C = carbon content of fuel by weight, and D =
density of fuel. For natural gas, C is assumed at 75%, and D is assumed at 4.1 E+04 lb/106scf. For
distillate oil, CO2 (Distillate Oil) [lb/MMBtu] = (26.4 gal/MMBtu) (%CON)(C)(D), where C is assumed
at 87%, and the D is assumed at 6.9 lb/gallon.
Emission factor is carried over from the previous revision to AP-42 (Supplement B, October 1996) and is
based on limited source tests on a single turbine with water-steam injection (Reference 5).
All sulfur in the fuel is assumed to be converted to SO2. S = percent sulfur in fuel. Example, if sulfur
content in the fuel is 3.4 percent, then S = 3.4. If S is not available, use 3.4 E-03 lb/MMBtu for natural
gas turbines, and 3.3 E-02 lb/MMBtu for distillate oil turbines (the equations are more accurate).
VOC emissions are assumed equal to the sum of organic emissions.
Pollutant referenced as THC in the gathered emission tests. It is assumed as TOC, because it is based on
EPA Test Method 25A.
Emission factors are based on combustion turbines using water-steam injection.
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Table 3.1-2b. EMISSION FACTORS FOR CRITERIA POLLUTANTS AND GREENHOUSE
GASES FROM STATIONARY GAS TURBINES
Emission Factorsa - Uncontrolled
Landfill Gas-Fired Turbinesb
Pollutants

a

b
c
d
e
f
g
h

Digester Gas-Fired Turbinesd

(lb/MMBtu)c

Emission Factor
Rating

(lb/MMBtu)e

Emission Factor
Rating

CO2f

50

D

27

C

Lead

ND

NA

< 3.4 E-06g

D

PM-10

2.3 E-02

B

1.2 E-02

C

SO2

4.5 E-02

C

6.5 E-03

D

VOCh

1.3 E-02

B

5.8 E-03

D

Factors are derived from units operating at high loads (80 percent load) only. For information on
units operating at other loads, consult the background report for this chapter (Reference 16), available at
“www.epa.gov/ttn/chief”. ND = No Data, NA = Not Applicable.
SCC for landfill gas-fired turbines is 2-03-008-01.
Emission factors based on an average landfill gas heating value (HHV) of 400 Btu/scf at 60oF. To
convert from (lb/MMBtu) to (lb/106 scf), multiply by 400.
SCC for digester gas-fired turbine include 2-03-007-01.
Emission factors based on an average digester gas heating value of 600 Btu/scf at 60oF. To convert
from (lb/MMBtu) to (lb/106 scf), multiply by 600.
For landfill gas and digester gas, CO2 is presented in test data as volume percent of the exhaust stream
(4.0 percent to 4.5 percent).
Compound was not detected. The presented emission value is based on one-half of the detection limit.
Based on adding the formaldehyde emissions to the NMHC.
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Table 3.1-3. EMISSION FACTORS FOR HAZARDOUS AIR POLLUTANTS
FROM NATURAL GAS-FIRED STATIONARY GAS TURBINESa

Pollutant
1,3-Butadiened

b

c

d
e
f

Emission Factor Rating
D

Acetaldehyde

4.0 E-05

C

Acrolein

6.4 E-06

C

Benzenee

1.2 E-05

A

Ethylbenzene

3.2 E-05

C

Formaldehydef

7.1 E-04

A

Naphthalene

1.3 E-06

C

PAH

2.2 E-06

C

< 2.9 E-05

D

Toluene

1.3 E-04

C

Xylenes

6.4 E-05

C

Propylene Oxided

a

Emission Factorsb - Uncontrolled
Emission Factor
(lb/MMBtu)c
< 4.3 E-07

SCC for natural gas-fired turbines include 2-01-002-01, 2-02-002-01, 2-02-002-03, 2-03-002-02, and 203-002-03. Hazardous Air Pollutants as defined in Section 112 (b) of the Clean Air Act.
Factors are derived from units operating at high loads (80 percent load) only. For information on units
operating at other loads, consult the background report for this chapter (Reference 16), available at
“www.epa.gov/ttn/chief”.
Emission factors based on an average natural gas heating value (HHV) of 1020 Btu/scf at 60oF. To
convert from (lb/MMBtu) to (lb/106 scf), multiply by 1020. These emission factors can be converted to
other natural gas heating values by multiplying the given emission factor by the ratio of the specified
heating value to this heating value.
Compound was not detected. The presented emission value is based on one-half of the detection limit.
Benzene with SCONOX catalyst is 9.1 E-07, rating of D.
Formaldehyde with SCONOX catalyst is 2.0 E-05, rating of D.
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Table 3.1-4. EMISSION FACTORS FOR HAZARDOUS AIR POLLUTANTS
FROM DISTILLATE OIL-FIRED STATIONARY GAS TURBINESa

Pollutant
1,3-Butadiened

a
b

c
d

Emission Factorsb - Uncontrolled
Emission Factor
(lb/MMBtu)c
< 1.6 E-05

Emission Factor Rating
D

Benzene

5.5 E-05

C

Formaldehyde

2.8 E-04

B

Naphthalene

3.5 E-05

C

PAH

4.0 E-05

C

SCCs for distillate oil-fired turbines include 2-01-001-01, 2-02-001-01, 2-02-001-03, and 2-03-001-02.
Hazardous Air Pollutants as defined in Section 112 (b) of the Clean Air Act.
Factors are derived from units operating at high loads (80 percent load) only. For information on units
operating at other loads, consult the background report for this chapter (Reference 16), available at
“www.epa.gov/ttn/chief”.
Emission factors based on an average distillate oil heating value (HHV) of 139 MMBtu/103 gallons. To
convert from (lb/MMBtu) to (lb/103 gallons), multiply by 139.
Compound was not detected. The presented emission value is based on one-half of the detection limit.
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Table 3.1-5. EMISSION FACTORS FOR METALLIC HAZARDOUS AIR POLLUTANTS
FROM DISTILLATE OIL-FIRED STATIONARY GAS TURBINESa

Pollutant
Arsenicd

a
b

c
d

Emission Factorsb - Uncontrolled
Emission Factor
(lb/MMBtu)c
< 1.1 E-05

Emission Factor Rating
D

Berylliumd

< 3.1 E-07

D

Cadmium

4.8 E-06

D

Chromium

1.1 E-05

D

Lead

1.4 E-05

D

Manganese

7.9 E-04

D

Mercury

1.2 E-06

D

Nickeld

< 4.6 E-06

D

Seleniumd

< 2.5 E-05

D

SCCs for distillate oil-fired turbines include 2-01-001-01, 2-02-001-01, 2-02-001-03, and
2-03-001-02. Hazardous Air Pollutants as defined in Section 112 (b) of the Clean Air Act.
Factors are derived from units operating at high loads (80 percent load) only. For information on units
operating at other loads, consult the background report for this chapter (Reference 16), available at
“www.epa.gov/ttn/chief”.
Emission factors based on an average distillate oil heating value (HHV) of 139 MMBtu/103 gallons. To
convert from (lb/MMBtu) to (lb/103 gallons), multiply by 139.
Compound was not detected. The presented emission value is based on one-half of the detection limit.
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Table 3.1-6. EMISSION FACTORS FOR HAZARDOUS AIR POLLUTANTS
FROM LANDFILL GAS-FIRED STATIONARY GAS TURBINESa
Emission Factorsb - Uncontrolled
Emission Factor (lb/MMBtu)c

Emission Factor Rating

< 1.2E-05

D

2.1E-05

B

Benzyl Chlorided

< 1.2 E-05

D

Carbon Tetrachlorided

< 1.8 E-06

D

Chlorobenzened

< 2.9 E-06

D

Chloroformd

< 1.4 E-06

D

Methylene Chloride

2.3 E-06

D

Tetrachloroethylened

< 2.5 E-06

D

1.1 E-04

B

Trichloroethylened

< 1.9 E-06

D

Vinyl Chlorided

< 1.6 E-06

D

3.1 E-05

B

Pollutant
Acetonitriled
Benzene

Toluene

Xylenes
a
b

c
d

SCC for landfill gas-fired turbines is 2-03-008-01. Hazardous Air Pollutants as defined in
Section 112 (b) of the Clean Air Act.
Factors are derived from units operating at high loads (80 percent load) only. For information on units
operating at other loads, consult the background report for this chapter (Reference 16), available at
“www.epa.gov/ttn/chief”.
Emission factors based on an average landfill gas heating value (HHV) of 400 Btu/scf at 60oF. To
convert from (lb/MMBtu) to (lb/106 scf), multiply by 400.
Compound was not detected. The presented emission value is based on one-half of the detection limit.
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Table 3.1-7. EMISSION FACTORS FOR HAZARDOUS AIR POLLUTANTS
FROM DIGESTER GAS-FIRED STATIONARY GAS TURBINESa
Emission Factorsb - Uncontrolled
Emission Factor (lb/MMBtu)c

Emission Factor Ratings

1,3-Butadiened

< 9.8 E-06

D

1,4-Dichlorobenzened

< 2.0 E-05

D

5.3 E-05

D

Carbon Tetrachlorided

< 2.0 E-05

D

Chlorobenzened

< 1.6 E-05

D

Chloroformd

< 1.7 E-05

D

Ethylene Dichlorided

< 1.5 E-05

D

1.9 E-04

D

Methylene Chlorided

< 1.3 E-05

D

Tetrachloroethylened

< 2.1 E-05

D

Trichloroethylened

< 1.8 E-05

D

Vinyl Chlorided

< 3.6 E-05

D

Vinylidene Chlorided

< 1.5 E-05

D

Pollutant

Acetaldehyde

Formaldehyde

a
b

c
d

SCC for digester gas-fired turbines is 2-03-007-01. Hazardous Air Pollutants as defined in
Section 112 (b) of the Clean Air Act.
Factors are derived from units operating at high loads (80 percent load) only. For information on units
operating at other loads, consult the background report for this chapter (Reference 16), available at
“www.epa.gov/ttn/chief”.
Emission factors based on an average digester gas heating value (HHV) of 600 Btu/scf at 60oF. To
convert from (lb/MMBtu) to (lb/106 scf), multiply by 600.
Compound was not detected. The presented emission value is based on one-half of the detection limit.
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Table 3.1-8. EMISSION FACTORS FOR METALLIC HAZARDOUS AIR POLLUTANTS
FROM DIGESTER GAS-FIRED STATIONARY GAS TURBINESa
Emission Factorsb - Uncontrolled
Emission Factor (lb/MMBtu)c

Emission Factor Rating

Arsenicd

< 2.3 E-06

D

Cadmiumd

< 5.8 E-07

D

Chromiumd

< 1.2 E-06

D

Leadd

< 3.4 E-06

D

Nickel

2.0 E-06

D

Selenium

1.1 E-05

D

Pollutant

a

b

c

d

SCC for digester gas-fired turbines is 2-03-007-01. Hazardous Air Pollutants as defined in
Section 112 (b) of the Clean Air Act.
Factors are derived from units operating at high loads (80 percent load) only. For information on units
operating at other loads, consult the background report for this chapter (Reference 16), available at
“www.epa.gov/ttn/chief”.
Emission factor based on an average digester gas heating value (HHV) of 600 Btu/scf at 60oF. To
convert from (lb/MMBtu) to (lb/106 scf), multiply by 600.
Compound was not detected. The presented emission value is based on one-half of the detection limit.
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